Experimental and Numerical Study of the Effects of Halite Scaling on Injectivity and Seal Performance During CO2 Injection in Saline Aquifers  by Bacci, Giacomo et al.
 Energy Procedia  37 ( 2013 )  3275 – 3282 
1876-6102 © 2013 The Authors. Published by Elsevier Ltd.
Selection and/or peer-review under responsibility of GHGT
doi: 10.1016/j.egypro.2013.06.215 
GHGT-11
Experimental and numerical study of the effects of halite
scaling on injectivity and seal performance during CO2
injection in saline aquifers
Giacomo Bacci*, Sevket Durucan, Anna Korre
Department of Earth Science and Engineering, Royal School of Mines, Imperial College London, London SW7 2BP, UK
Abstract
Vaporisation of water during dry CO2 injection can cause salt precipitation and lead to significant reduction in 
injectivity. Research described in this paper aimed at improving the understanding of the halite scaling process
through experimental and numerical investigations. Experimental results indicated porosity reductions of about 3 - 5
% and permeability reduction between 13 to 75 %. Numerical simulation results have shown that halite scaling can
have a significant impact on field operations. They also suggested that, salt precipitation can occur at the caprock 
interface increasing the sealing capacity around the wellbore.
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1. Introduction
Precipitation of salts, due to injection of dry supercritical CO2 and subsequent vaporisation of the 
formation brine, promoting NaCl concentration and the precipitation of halite is a possible source of 
injectivity impairment around injection wells in saline aquifers [1]. This can lead to reductions in porosity
and permeability of the reservoir, which can significantly affect wellbore injectivity.
For more than 20 years, water vaporisation has been reported as the main reason of permeability
impairments around several gas producing wells; especially in high pressure, high temperature reservoirs
which are characterised by very high salinity brines [2]. A similar problem is documented for the
injection of dry natural gas in saline aquifers during gas storage operations [1].
* Corresponding author. Tel.: +44-20-594-7374; fax: +44-20-594-7444.
E-mail address: g.bacci@imperial.ac.uk
Available online at www.sciencedirect.com
  e Authors. Published by Elsevier Ltd.
l ti  and/or pe r-review under responsibility of GHGT
3276   Giacomo Bacci et al. /  Energy Procedia  37 ( 2013 )  3275 – 3282 
With regard to CO2 storage, numerical modelling has recently highlighted the potential of significant 
well injectivity losses due to halite precipitation in saline formations [1, 3-5]. There are several software 
codes available to couple chemistry with transport, which help evaluate the dry-out process occurring 
during CO2 injection and estimate changes in the pore space due to salt precipitation. However, all codes 
have one limitation in common: they cannot accurately predict the impact of halite precipitation in field 
operations as there is no accurate relationship between porosity changes and the resulting change in 
permeability to describe this process [3]. In fact, only a small number of experiments have been carried 
out to study the precipitation of halite during gas injection [6-10]. 
The experiments described here involved core flooding, consisting of continuous flow of dry gas 
through sandstone and carbonate cores, saturated with brine at different salt concentrations. The porosity 
and permeability data from the experiments were used to calibrate a Verma-Pruess -in-
to analyse the impact of halite scaling process on injectivity and caprock sealing performance. 
2. Experimental set-up and procedure 
Two different sets of experiments have been conducted at different conditions: at atmospheric pressure 
and temperature and at simulated reservoir conditions (8 MPa, 45 oC) with supercritical CO2 (Fig. 1).  
     
(a) (b) 
Fig. 1. Schematic diagrams of the core flooding experiments used at (a) atmospheric pressure and temperature conditions and (b) 
reservoir conditions.  
The experiments were performed on limestone and sandstone samples. Limestone plugs were collected 
from the Guiting Quarry in Gloucestershire, UK. The sandstone used is the red St. Bees Sandstone, from 
the Birkhams Quarry, UK. The cores used for the tests at atmospheric conditions were 36 mm in diameter 
and 78 mm in length. The core samples used for the tests at reservoir conditions were 68 mm in diameter 
and 152 mm in length. The brines used in this study were prepared from deionised water and sodium 
chloride (NaCl) with two salinity levels at 240 and 360 g/l NaCl. 
Each vaporisation test involved four stages: (1) initial petrophysical characterisation; (2) saturation 
with NaCl brine; (3) water vaporisation through dry CO2 flooding; and (4) post flood permeability and 
porosity measurements. For all the experiments at atmospheric conditions, a flow rate of 250 cm3/min 
was used. For the tests performed at reservoir conditions a flow rate of 25 cm3/min was employed. 
Chemical analyses of the produced brines were performed to assess and quantify the rock/fluid 
interactions taking place. Changes in porosity were assessed by attributing the increase of weight of the 
cores to precipitation of salt and verified through chemical analysis. For all the experiments conducted at 
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conditions using N2. For the tests at reservoir conditions, permeability was measured using CO2 at the 
same thermodynamic conditions of the vaporisation tests (45oC, 8 MPa).  
3. Experimental results 
Three tests were performed at atmospheric conditions: two on sandstone samples and one on a 
limestone sample. The experiments conducted on the first sandstone sample comprised two cycles of 
vaporisation and water flooding tests. The vaporisation tests were conducted by saturating the sample 
with a 240 g/l NaCl brine and drying it with CO2 flooding. Fig. 2 summarises the changes in porosity and 
permeability observed during the experiments on sandstone sample number 1.  
 
(a)    (b)  
Fig. 2. Changes in (a) porosity and (b) permeability of the St. Bees Sample 1. 
After the first vaporisation tests, porosity decreased from 20.73% to 19.92% and permeability 
decreased by 12.71%, from 205.32 mD to 179.23 mD. Injection of fresh water as a remediation strategy 
was tested by flushing the altered sample with 600 cm3 of water, corresponding to around 35 PV. After 
the water flooding, the core was dried in the oven and the petrophysical properties measured again. 
Results indicated that the petrophysical properties of the rock were fully restored. The sample was 
subsequently saturated with brine and subjected to dry CO2 injection for the second time. Following the 
second vaporisation test, porosity decreased to 19.97% and permeability decreased by 32.09 % to 145.90 
mD. It is interesting to note that the two vaporisation tests conducted on St Bees Sandstone samples 
produced practically the same porosity variation but with a significantly different impact on permeability. 
Fresh water was injected for a second time through the sample to restore its original state. 
The second sandstone sample was subjected to two cycles of NaCl brine saturation and dry CO2 
flooding. This test was carried out in order to obtain a greater level of porosity and permeability alteration 
which can be representative of areas of the aquifers where, due to the effect of capillary forces, salt 
precipitation is dramatic. Brine fully saturated with NaCl was specifically chosen for these tests in order 
to avoid the dissolution of the salt previously precipitated during the second saturation step.  
After the first vaporisation test, the porosity data indicated a reduction of the void space from 20.03 to 
19.11 %. Post-flooding permeability showed a decrease of 38.58 %, from 109.59 to 67.31 mD. Following 
the second vaporisation test, porosity decreased further by around 0.90 % from the intermediate 19.11 to 
18.20 % and the permeability decreased by 72.86 %, from 67.31 to 18.27 mD, i.e. to a level of only 16.67 
% of the initial permeability value measured before the experiments. 
The third experiment was performed on a Guiting limestone core saturated with 240 g/l NaCl brine. 
After the CO2 flooding, porosity was reduced from 29.45 to 28.52 %. Post-flooding permeability 
decreased by more than 45 %, from 1.82 to 0.983 mD. Since the core was mainly composed of highly 
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soluble minerals, in order to avoid unwanted dissolution, the water was chemically equilibrated with the 
Guiting minerals before the flooding. The large permeability change measured for the Guiting limestone 
can be attributed to both the relatively higher initial porosity and lower permeability of the sample. In 
fact, a higher porosity corresponds to a greater potential for salt deposition inside the core due to the 
larger surface area exposed. A lower permeability may mean either high tortuosity and/or closed pore 
throats, where even the smaller deposition can significantly affect permeability.  
Two sets of experiments were conducted at reservoir conditions: one on a Guiting limestone core and 
one on a St Bees sandstone core. The limestone core sample was subjected to a single cycle vaporisation 
test. Post-flooding measurements showed a considerable reduction of the pore volume, from 30.38 to 
27.55 % and a permeability reduction by about 75 %, from 1.04 to 0.273 mD. The St Bees Sample 3 was 
subjected to four consecutive cycles of NaCl brine saturation and dry supercritical CO2 flooding. Table 1 
summarises the changes in porosity and permeability caused by precipitation of salt during these 
experiments. Porosity decreased by 1-2 percentage points in each vaporisation step, from the initial value 
of 22.59 to 16.02 % after the last vaporisation test. Each change in porosity was accompanied by 
reduction in permeability which ranged from 18 to 60%. Overall, the permeability reduction was around 
86 % of the initial value.  
Table 1. Summary of porosity and permeability measurements on the St. Bees Sample 3. 
 Porosity (%) Porosity reduction (%) Permeability (mD) Permeability reduction (%) 
Un-altered sample 22.59 0 7.78 0 
After first vaporisation test 21.58 4.47 5.39 30.72 
After second vaporisation test 19.44 13.94 2.96 59.77 
After third vaporisation test 18.27 19.12 2.57 66.97 
After forth vaporisation test 15.10 29.08 1.07 86.25 
 
The porosity and permeability values measured after each vaporisation test were used to establish a 
relationship between these properties due to the effect of salt precipitation. The experimental data were 
used to -in- 1]. 
be 0.70 and 0.59 respectively. The alteration 
model proposed here has to be considered as an approximation since it uses average values and therefore 
flooding experiments [9] indicate that salt precipitation mostly occur in the vicinity of the CO2 
percolation pathways.  
Geochemical analysis of the produced waters, during both tests at atmospheric and reservoir 
conditions, reported high concentration of Na associated with the dissolved NaCl during the preparation 
of the brines. Other elements found in the samples, due to dissolution of minerals caused by CO2 
dissolution, were in small quantities. Therefore, no change in porosity or permeability was attributed to 
geochemical reactions. On the whole, the chemical analysis suggests that, contrary to what is reported in 
several publications, geochemical reactions in the near wellbore area might be somehow limited.  
4. Numerical model description 
The numerical simulations described here were performed using the general-purpose reservoir 
simulation code TOUGH2, coupled with the fluid property module ECO2N [11]. Two different sets of 
simulations are  presented.  In  the first  one,  a two-dimensional  radial-vertical  geometry (2-D R-Z)  was  
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Fig. 3. Schematic representation of the numerical model domain used. 
used to study the impact of the interplay of gravity and capillary effects, and of important parameters such 
as injection rate, porosity, irreducible water saturation and water salinity on salt deposition. In the second 
set, the effect of salt precipitation on the sealing unit was tested using a similar geometry. 
The geological formation is assumed to be homogeneous and isotropic, and it is modelled as a 
horizontal disc with a thickness of 10 m, discretised into 10 grid layers of constant height of 1 m. The 
numerical grid is extended to a distance of 100,000 m in order to make the system infinite acting for the 
time period simulated (10 years). The upper and lower boundaries of the formation are closed, simulating 
impermeable layers at the top and at the bottom of the reservoir (Fig. 3). 
Initial pressure and temperature were chosen as 12 MPa and 45 oC respectively, representative of the 
thermodynamic conditions which might occur in a saline formation at a depth of approximately 800-1,000 
m. The brine salinity was set at 25-wt% dissolved NaCl, close to the salt concentration used in the 
vaporisation tests at reservoir conditions. Porosity was set at 20% and permeability at 100 mD. The 
aqueous phase irreducible saturation was assumed to be 0.30. The relative permeability and capillary 
pressure have been calculated with the van Genuchten models (Table 2). CO2 injection was simulated for 
10 years at a constant rate of 1 kg/s. Salt precipitation induced was monitored and quantified in different 
regions of the formation from the changes of solid saturation, which is the fraction of pore volume 
occupied by salt. The resulting porosities were calculated from the solid saturation values and the 
permeabilities were estimated using the Verma-Pruess pore network model calibrated with the 
experimental data. 
Table 2. Relative permeability parameters 
Liquid relative permeability (van 
Genuchten, 1980) 
  
Residual liquid saturation Slr= 0.30 
Exponent = 0.457 
Gas relative permeability (van 
Genuchten, 1980) 
  
Residual gas saturation Sgr = 0.05 
Exponent = 0.457 
Capillary pressure (van Genuchten, 
1980) 
                 
Residual liquid saturation Slr = 0.00 
Exponent = 0.457 
 Coefficient P0 = 19.6 kPa 
3280   Giacomo Bacci et al. /  Energy Procedia  37 ( 2013 )  3275 – 3282 
5. Assessment of salt precipitation within the storage formation 
Initially, the injection of dry supercritical CO2 displaces the brine around the wellbore. A small part of 
CO2 dissolves in the brine, whereas a fraction of the saline water is vaporised by the flowing CO2. As 
water evaporates the salt content contained into the brine is enriched. Halite deposition occurs where the 
solubility limit of approximately 26.5 % by weight is exceeded. As the injection of CO2 proceeds, saline 
water continues to vaporise around the wellbore area until it completely disappears. As Fig. 4(a) shows, 
one year after commencing the injection, the plume of CO2 extended more across a region localised near 
the top of the formation at a distance of around 200 m from the wellbore. Salt deposition is confined to a 
small area, up to 4 m inside the formation. Within this area, the amount of precipitated NaCl appears to be 
fairly uniform, with an average solid salt deposition of approximately 10 %. A slightly lower solid salt 
deposition is observed at the top of the model, whereas near the bottom a localised region with larger 
solid deposition (up to 13 %) is seen. These higher solid deposition values identified near the lower 
portion of the dry-out front are due to the interplay between capillary and gravity forces. In these areas, 
gravity has the effect of reducing the horizontal component of the flow vector, while the capillary forces 
remain unchanged. Therefore, the potential of backflow of aqueous phase increases towards the injection 





Fig. 4. (a) gas saturation map and (b) permeability reduction (k/k0) due to halite scaling after CO2 injection for 1 year. 
As Fig. 4b shows, on average, the absolute permeability is reduced to 40 % of the initial value, as 
indicated by the laboratory experiments. Permeability reduction peaks at 48 % in the region where the 
highest amount of NaCl is deposited. Model results after 10 years of injection have shown that the CO2 
plume would extend as far as 650 m from the injection well. Solid deposition profiles indicate that, after 
10 years, the halite scaling front extended 13 m into the formation. A slightly more pronounced vertical 
solid deposition trend was also observed, peaking at 14 % pore volume reduction and 51 % reduction in 
permeability.  
A sensitivity study was conducted to analyse the effects of injection rate, porosity, residual water 
saturation, salt content and reservoir thickness on salt precipitation. Gravity and capillary effects become 
more pronounced as the injection rate is decreased. Therefore, for an equal volume of CO2 injected into 
the reservoir, greater vertical gradients of solid precipitation were obtained for lower injection rates (Fig 
5). Gravity override effects become more significant in aquifers with a larger thickness, where very high 
values of solid NaCl deposition can be expected near the bottom of the formation. It was observed that the 
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fraction of solid salt precipitated increases with brine salinity and irreducible water saturation while this is 




Fig 5. Solid salt (NaCl) deposition distribution (a) after CO2 injection for 1 year with a rate of 2.0 kg/s; and (b) after CO2 injection 
for 4 years with a rate of 0.5 kg/s. 
Further numerical analysis investigated the effects of halite scaling on the sealing unit. CO2 may not 
permeate the caprock layer, however, it can vaporise the water contained in it, resulting in salt 
precipitation. It is possible that permeability reduction associated with this process can improve the 
sealing capacity of the caprock as suggested in a previous study [10]. The numerical model used was 
similar to the one previously illustrated. The main difference is that an additional low permeability (1 
mD) layer of 1 m thickness is included at the top of the formation representing the caprock. The capillary 
pressure was calculated using the van Genuchten model and a value of P0 equal to 5,000 kPa was used to 
prevents Darcy-driven flux.  
For the first simulation, reservoir properties of the aquifer formation were kept the same as those 
described in Section 4 above. The salt saturation in the top first grid block representing the aquifer 
reached 100 % after only 10 days and the simulation was interrupted. At this point, the high solid 
saturation extended 0.10 m into the reservoir. Next, the salinity was reduced to 0.5 % by weight in order 
to allow the simulation to run for a longer period of time. Solid salt deposition and permeability reduction 




Fig. 6. (a) Solid salt deposition distribution; and (b) permeability reduction after 1 year of CO2 injection. 
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The top layers of the aquifer present significantly high levels of salt deposition, reaching a maximum 
solid saturation of 47 % (Fig. 6a). Despite the very low brine salinity, a completely impermeable salt 
barrier was formed underneath the caprock (Fig. 6b). This barrier would add extra sealing capacity in the 
area close to the wellbore, which is perhaps the most sensitive region for the risk of leakage. 
An additional sensitivity study was conducted in order to analyse the effects of different aquifer 
parameters on the formation of the salt barrier underneath the caprock. This has established that: (1) 
Increased brine salinity accelerates the formation of salt layer between the aquifer and the caprock; (2) the 
rate of salt barrier formation increases with increased injection rate; (3) in aquifers of high porosity, salt 
barrier formation takes a relatively longer time; (4) a salt barrier beneath the caprock is only formed when 
CO2 is injected in close proximity of the caprock; (5) irreducible water saturation appears to have no 
significant effect on the process. 
6. Conclusions 
Experimental results at atmospheric and reservoir conditions showed that salt deposition can induce 
changes in porosity (3 5 %) of the saline formations and reduce permeability significantly (13-75 %). 
Injection of fresh water can be an effective remediation strategy for halite scaling around the wellbore.  
The petrophysical data obtained from the experimental work was used to calibrate a Verma-Pruess 
-in-  and a number of numerical simulations carried out. The first set of numerical 
simulations described indicated that salt deposition, which typically concentrates in an area a few metres 
around the wellbore, can cause significant impairments in rock permeability (up to 50 %) and thus 
injectivity. The second set of numerical simulations have shown that, at the interface between the aquifer 
and caprock, a stationary dry-out front can be formed, inducing the formation of a salt layer which can act 
as an extra protection against leakages around the wellbore. This has not been previously reported in the 
literature and requires verification by field and laboratory experiments.  
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